We have studied strategies for maximizing several phenomena beneficial to large-scale subsurface storage of waste gases such as CO 2 and H 2 S. Numerical simulations using a compositional reservoir simulator were carried out for 10,000 years to understand the flow and long-term storage potential of pure CO 2 and CO 2 -H 2 S mixtures in deep saline aquifers. Hysteresis in the relative permeability curve results in substantial volumes of gas trapping. Aquifer characteristics such as heterogeneity, dip angle and vertical to horizontal permeability ratio were varied to determine their effect on storage potential and injectivity of a CO 2 -H 2 S gas mixture. The opportunity for escape of the gases from the aquifer can be minimized by careful design of injection strategies. One such strategy is to use horizontal wells low in the formation so that all of the injected gases are trapped, dissolved or precipitated before they reach geological seals and/or faults. This allows significantly larger volumes of waste gases to be stored in a given aquifer. Preferential solubility of the H 2 S in brine reduces the distance H 2 S travels relative to CO 2 . Simulations with local grid refinement show that fingering due to buoyancy is mitigated by natural heterogeneity in the aquifer petrophysical properties. Thus the amount of gas trapping observed in coarse-grid simulations is likely to be a reasonable estimate of what can be obtained in the field. Three-dimensional simulations of coupled flow and reactive transport showed that the amount of CO 2 sequestered as minerals was small relative to gas trapping and dissolution into brine. However, the mineralization further reduces the already small amount of mobile gas over long periods of time.
Introduction
Geological sequestration of CO 2 and other greenhouse gases is one of the few ways to store such gases in sufficient volumes to mitigate the greenhouse effect. 1, 2, 3 Several groups have reported numerical simulations of the storage process, usually in order to estimate the volume that can be stored. Most schemes depend on storing CO 2 in the supercritical state. In these schemes, buoyancy forces will drive the injected CO 2 upward in the aquifer until a geological seal is reached. The permanence of this type of sequestration depends entirely on the integrity of the seal. Assuring such integrity over very long periods of time is very difficult.
We have focused on an alternative scheme built on three modes of sequestration that avoid this concern: 1) pore-level trapping of the gas phase within the geologic formation; 2) dissolution into brine in the aquifer; and 3) precipitation of dissolved gases as minerals. All three modes are well known phenomena among reservoir engineers and others familiar with flow and reaction in permeable media. Each of these modes is permanent for the time frame of interest in sequestration of waste gases. Here "permanent" means the following: gas placed in the aquifer will not reach the surface any sooner than other species or fluids originally present in the formation. The key issues then become 1) maximizing these three highly desirable modes of sequestration so that very large volumes can be permanently stored in aquifers, without the need for ensuring long-term seal integrity and 2) predicting the time needed for injected gas to become immobilized by one or more of these modes of storage.
The principal petrophysical parameters influencing storage as an immobile gas phase (in this paper, we use the term "gas" to include "supercritical fluid") are relative permeability, including hysteresis, and the residual gas saturation. Both depend on the rock properties in the aquifer and thus can vary with location. The phase behavior of the gas/brine mixture controls storage in solution, and this depends upon gas compositing brine salinity, temperature and pressure. The geochemical driver accompanying storage is the acidification of the brine resulting from dissociation of dissolved CO 2 and H 2 S. Low pH brine in turn induces several reactions with minerals in the formation. Dissolution reactions can release cations such as Ca ++ and Fe ++ . These cations may form relatively insoluble carbonate precipitates such as siderite and sulfide precipitates such as pyrite..
The time scales for these processes vary widely. Once gas injection ends, the fluid displacement leading to residual saturations depends on absolute and relative permeabilities, hysteresis, buoyancy forces, the dip of the aquifer, the natural
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Numerical Simulation of the Storage of Pure CO 2 and CO 2 -H 2 S Gas Mixtures in Deep Saline Aquifers R.C. Ozah, SPE, S. Lakshminarasimhan, G.A. Pope, SPE, K. Sepehrnoori, SPE and S.L. Bryant, SPE The University of Texas at Austin background flow gradient, and the magnitude of the residual saturation. Dissolution of gas into brine is rapid, but the overall rate of mass transfer depends on contact between the phases. This is a complicated function of time, especially after injection stops, controlled by the same parameters as the postinjection fluid displacement.
The initial results of our study of these phenomena can be found in Kumar et al. 3 This initial study emphasized the beneficial effects of residual gas saturation and other permanent storage mechanisms when the CO 2 is injected low in the aquifer, allowing it to rise but not reach the top of the aquifer. The new results in this paper extend the intial study in several important ways including the behavior of mixtures of CO 2 and H 2 S and the use of horizontal wells to maximize permanent storage. The new simulations were done with local grid refinement (LGR) to improve their accuracy and to better focus on buoyancy driven fingering due to the unstable upward flow of the gas when it is injected low in the aquifer. Also, the previous results of coupled flow and reactive transport in one dimension have been extended to three dimensions to better assess the potential of mineralization.
Description of the Simulation Model
Three-dimensional simulations were performed on a base case, which is a generic deep saline aquifer 53,000 ft long, 53,000 ft (16,154 m) wide and 1,000 ft (304.8 m) in thickness. The average depth of the top layer is 5,300 ft (1,615 m) from the earth's surface. These were based upon values typical of the US Gulf Coast. 4 A single vertical injection well is located exactly at the center of the aquifer and constant pressure wells are located along the boundaries. Table 1 summarizes the base case input parameters that include component properties, aquifer properties and injection conditions. The Computer Modeling Group's GEM simulator was used in this study. 5 Injection of pure CO 2 and a 70% CO 2 -30% H 2 S mixture at supercritical conditions were performed for 50 years but the simulation continued up to 10,000 years. The injection rate was 50 MMSCF/D, subject to a maximum bottomhole pressure of 3300 psia.
Geostatistical realizations of permeability fields were calculated using the Fast Fourier Transform (FFT) code developed by Jennings 6 using the parameters given in Table 1 . Permeability values were generated for each of the 64,000 grid blocks of the base case. The purpose was to simulate heterogeneity in a way that is more typical of real aquifers than either homogenous or layered descriptions. Figure 1 shows the 3-D view of horizontal permeability distribution of the aquifer. Vertical permeability values were calculated assuming a constant ratio of vertical to horizontal permeability such as 0.001.
Correlations relating different petrophysical parameters were developed by Holtz 7 based on laboratory and field data for sandstones. These correlations relate porosity, permeability, maximum residual gas saturation and residual water saturation. Once the permeability values of each grid block were calculated stochastically, the porosity of each grid block was then calculated using the same correlation as used by Kumar. These porosity values were then used to populate the grid. The Holtz correlations for the maximum residual gas saturation and residual water saturation with porosity were used by Kumar and also in this work. These parameters were used in the relative permeability model for each rock type. Six different rock types were defined, each corresponding to a range of porosity. Thus in GEM simulator, each grid block with a particular value of porosity was assigned a corresponding rock type. Table 2 shows the different pertophysical properties and rock types used in the simulations.
Our storage simulations lead to increasing, then decreasing gas saturations in many grid blocks. Relative permeability and capillary pressure will therefore exhibit hysteresis. Figure 2 illustrates this process with typical gas-water relative permeability curves for a particular rock type. Drainage process starts with injection of gas at point A. For a certain grid block the drainage ends at point B, and imbibition starts at that point and ends at point C. The residual gas saturation is the distance from point A to point C. Capillary pressure in this grid block reaches a maximum at point B. Similarly, for different grid blocks the end of drainage and start of imbibition are at different points D, F and H. The residual gas saturations are distances from point A to points E, G and I respectively. The highest capillary pressures are thus at points D, F and H. GEM records the capillary pressure for each grid block at each time step. The highest capillary pressure attained for each grid block can thus be obtained. By definition, S gh is the gas saturation at the start of imbibition for a particular grid block. Therefore the values of S gh are the values of gas saturations corresponding to the highest capillary pressures. The mobile gas saturation can then be calculated as the difference between the gas saturation and the residual gas saturation: S g -S grh . S gh and S grh values are now directly obtained as output from GEM. The hysteresis relative permeability curves were modeled the same way as Kumar.
Aqueous CO 2 and CO 2 -H 2 S Fluid Properties. Fluid property models used in GEM were calibrated using experimental data over a wide range of pressures, temperatures, and salinities corresponding to the aquifer conditions of interest. In CO 2 and CO 2 -H 2 S gas injection in deep saline aquifers, the most crucial properties are density, viscosity and solubility of CO 2 and H 2 S in brine. Solubility determines the amount of the gases that goes into solution in brine. Density of the aqueous phase determines how fast natural convection will sequester the dissolved gases. We have modeled the brine/CO 2 fluid properties using the results of Kumar 8 who tuned the Peng-Robinson Equation of State (PREOS) with experimental data for density and solubility. We used Pederson's Correlation for the viscosity of brine with dissolved CO 2 and H 2 S.
The experimental data of Barrett et al., 9 Drummond 10 and Suleimenov et al. 11 for the solubility of H 2 S in brine were used to calibrate the PREOS since they agree with each other over the range of pressures and temperatures of interest (see Table  3 ). A representative plot is shown in Fig. 3 for the results of the tuning of the PREOS with the experminetal data for solubility of H 2 S in brine at 140 °F (base case condition) for a range of pressures and salinities. More results can be found in Ozah. 13 Experimental data on the solubility of CO 2 and H 2 S mixtures in brine could not be found, so the same PREOS parameters (binary interaction coefficients and volume shift parameter) were used for mixtures as for solutions of the individual components in brine. An overall composition of 15 mole percent H 2 S, 35 mole percent CO 2 and 50 mole percent H 2 O was used to make a series of flash calculations with the PREOS of the GEM compositional simulator. Figure 4 shows the CO 2 concentration in aqueous phase for this mixture while Fig. 5 shows the H 2 S concentration in aqueous phase for this mixture at 140 °F. Experimental data on CO 2 -H 2 S saturated brine density were not available in the literature in the range of interest for geological storage. We obtained the Volume Shift Parameter (VSP) for H 2 S by matching with the experimental data of the H 2 S-saturated brine density data from Hnedkovsky et al. 12 The Volume Shift parameter (VSP) for brine was obtained from Kumar.
8 Flash calculations were then done using the PREOS with these VSPs to calculate the aqueous phase density of CO 2 -H 2 S-Brine mixtures between 100 psi to 10,000 psi; 122 °F to 212 °F and 0 to 300,000 ppm salinity. The amount of H 2 S, CO 2 and H 2 O mole percent used in the flash calculations was 15%, 35% and 50%, respectively. Figure 6 shows the effect of salinity on CO 2 -H 2 S-saturated brine density over a range of pressures and at 140 °F.
Simulation Results

Pure CO 2 Injection.
Before showing the results for a gas mixture, the effect of grid refinement is shown for the case of pure CO 2 injection. The parent grid for the base case is 40x40x40. Local Grid Refinement (LGR) was used to refine the grid near the injection well and in the CO 2 plume. Grid block numbers 17 to 30 in the x direction were refined by a factor of 5 from 1325 to 265 ft. Grid block numbers 18 to 24 in the y direction were refined by the same factor. Grid blocks 6 to 40 in the z direction were refined by a factor of 2 from 25 to 12.5 ft. Figures 7 and 8 show the gas saturation at 10,000 years along a vertical x-z cross-section through the injection well for the base case and LGR case respectively. The grid refinement changed the detailed shape of the plume, but the maximum height of the plume is almost the same and is still several hundred feet below the top of the aquifer. CO 2 migrated laterally about 10,000 ft from the injection well. Figure 9 shows the distribution of CO 2 for times up to 10,000 years. The most significant observation is that after 10,000 years the mobile gas saturation is only 5%. 65% of the CO 2 is trapped in the residual gas phase and 30% of the CO 2 is dissolved in the brine. After 3,000 years, there was not much change in the residual gas. There was an increase of 5% in the dissolved CO 2 between 2,000 years and 10,000 years. The transfer of CO 2 from one form to the other is completely spontaneous as the movement of CO 2 leaves behind a residual phase before being dissolved in brine. The rate of such transfer depends on the type of rock and its properties. Thus, the phenomenon of capillary trapping plays a big role in determining how the CO 2 is stored in aquifers. Large volumes of CO 2 (0.9 TCF or 48.3 million metric tons in this example) can be stored for very long time periods without the need for ensuring long-term seal integrity since the CO 2 never reaches the seal. Both Ozah 13 and Kumar 8 show extensive results of pure CO 2 injection over a wide range of conditions including key parameters such as heterogeneity and vertical to horizontal permeability ratio.
CO 2 -H 2 S Injection.
Injection of a mixture of 70% CO 2 and 30% H 2 S for 50 years followed by natural gradient flow for 10,000 years was simulated. Figures 10 and 11 show the gas saturation profiles at 1,000 and 10,000 years, respectively. Figures 12 and 13 show the CO 2 and H 2 S mole fractions in the gas at 10,000 years. Figures 14 and 15 show the CO 2 and H 2 S mole fractions in the brine at 10,000 years. The latter figures show that the leading edge of the gas mixture is depleted with respect to H 2 S because it has a higher solubility in brine than CO 2 . Figures 16  and 17 show the residual gas and mobile gas saturation at 10,000 years for a vertical cross section through the injection well. Figures 18 and 19 show the distribution of CO 2 and H 2 S in different forms. About 67% of the total injected CO 2 was trapped as residual gas when co-injected with H 2 S, which is an increase of 3% compared to the case when only pure CO 2 was injected. Also the percentage of CO 2 remaining as mobile gas decreased from 5% to 2.6%. H 2 S dissolved in brine is 10 percent higher than CO 2 .
The sensitivity of aquifer storage potential and injectivity to parameters such as permeability, dip angle, k v /k h ratio and injection interval were studied using the base case. The results are summarized in Table 4 . For higher permeabilities, the porosity values are also higher and the maximum residual gas saturations are smaller and thus less gas can be stored in immobile form. The dip angle was varied from 0 to 5 degrees. For zero aquifer dip, the migration of the gas mixture was predominantly vertical. When the dip angle was increased, the migration of the CO 2 -H 2 S gas mixture was almost lateral and mainly in the up-dip direction of the aquifer. Vertical migration is very sensitive to permeability anisotropy. The value of k v /k h was varied from 0 to 1.0. When k v /k h = 0.1, vertical migration of the gas mixture was sufficient to reach the top of the aquifer and flow up dip along the seal. As expected, when the value of k v /k h was further increased to 1, more gas reached the top seal and spread out along the aquifer top and reached the up-dip boundary of the aquifer. Thus low k v /k h values are favorable for storage of the CO 2 -H 2 S gas mixtures. The injection interval where the well is perforated was varied from 250 ft from the bottom to 1,000 ft (the entire aquifer thickness). Results showed that the gas mixture was confined to the lower half of the aquifer even at 10,000 years when injected at 250 ft from the bottom of the aquifer. As anticipated, the gas mixture reached the top seal and migrated up dip along the seal when injected across the entire thickness of the aquifer.
Drying-out Effect.
As dry gas is injected, vaporization of water near the well occurs. Complete drying near the injection well was observed by Garcia 14 and Zuluaga et al. 15 The drying effect was investigated for the base case with LGR (Fig. 8) . Figure 20 shows gas saturation vs distance from the well at different times. Complete dry out (Sg = 1) near the well occurred and eventually extended to a radial distance of 795 ft. After gas injection stops (50 years in this case), the capillary imbibition process starts and water flows back toward the well. The relative permeability table was modified to accommodate this drying effect by extending it to zero water saturation. In this simulation, we did not consider the precipitation of dissolved minerals (primarily halite) that would accompany the evaporation of water, so the only effect on the injectivity was the increase in the gas relative permeability and in this example the average increase in injectivity was only 0.005 SCF/psi. However, the drying effect would have a very significant effect on well measurements such as logs to determine saturation changes.
Fingering and Counter Current Flow.
Buoyancy driven vertical flow of CO 2 -rich gas is an unstable displacement process and it needs careful examination. As the density and viscosity are smaller for CO 2 -rich gas than for brine, hydrodynamic instabilities (buoyancy-driven and viscous fingering) may occur. Counter current flow occurs as the gas flows upward due to buoyancy and the brine downward. A fine grid is necessary to accurately model this process. We modified the base case by taking a 2-D slice along the x-z vertical cross sectional plane and using an even finer grid to study such instabilities. The dimensions of the grid blocks were reduced from 1325 ft to 19.5 ft in the x direction and from 25 ft to 8.3 ft in the z direction near the injection well and in the CO 2 plume. The width of the 2-D domain was 530 ft. The rate of injection of CO 2 was reduced from 50 to 2 MMSCF/D so that the size of the plume would be comparable to the 3-D base case simulation. The permeability distribution used was statistically the same as that in the plane of the well of the base case. It is a highly refined case with 68 times refinement in the x direction and 3 times in the z direction for each grid block in the refined portion. Figures 21  and 22 show gas saturation at 1000 years and 10,000 years respectively. No prominent fingers were noticed throughout the 10,000-year simulation period. The gas phase spread to about 7000 ft up dip and about 4000 ft down dip from the injection well. The maximum height reached by CO 2 -rich gas was about 800 ft from the bottom of the aquifer, which is close to that observed in the base case.
In this simulation several well known effects tended to mitigate the fingers. Capillary pressure is especially significant because as the gas flows upward it encounters layers of reduced permeability with higher capillary entry pressures, which causes it to flow laterally for some distance. This effect was captured in these simulations by using six rock types with different capillary pressure tables. It would be more physically accurate to scale the capillary pressure for each individual grid block, which would further increase the finger-dampening effect of capillary pressure. When k v /k h is small, flow up dip within a layer can dominate vertical flow, even for small dip angles. This indirectly mitigates the tendency to finger.
Horizontal Wells for CO 2 Injection.
Horizontal wells potentially have two advantages over vertical wells for geological storage of greenhouse gases. A larger volume of CO 2 could be stored without CO 2 reaching the top of the aquifer and a higher injection rate might be expected. Permeability anisotropy influences the injectivity especially for a horizontal injector. As the k v /k h value increases, the injectivity of a horizontal well increases and hence the amount of CO 2 stored in a given period of time, but a higher value of k v /k h also significantly increases the upward flow of gas. As already discussed, CO 2 injected through a vertical well completed in the lower half of the aquifer did not reach the top seal of the aquifer for the base case simulation. Simulations with injection times between 50 and 350 years were done to determine how much CO 2 could be injected in the lower half of the aquifer without the CO 2 reaching the top seal. Table 5 summarizes the gas volumes injected for both vertical and horizontal wells. To inject approximately the same volume of CO 2 required a perforation interval for the horizontal well of 5,300 ft whereas for the vertical well it was only 500 ft. This is due to low value of permeability and in grid blocks containing the horizontal well. Figure 23 shows the CO 2 reached the top of the aquifer when it was injected for 350 years at a rate of 50 MMSCF/D with a vertical injector. Figure 24 shows that with a horizontal well the CO 2 did not reach the top of the aquifer even with this very large volume (6.8 TCF or 338 million metric tons). The total amount of CO 2 stored for the base case was 0.91 TCF (48 million metric tons). Thus, under the base case conditions it is possible to store seven times more CO 2 in the aquifer without it reaching the top seal with a horizontal well compared to a vertical well. Confinement of a given volume of CO 2 in the aquifer without it eventually reaching the top seal is easier to achieve by the use of a horizontal well.
Storage of CO 2 as Minerals.
We next studied the precipitation/dissolution reactions that have the potential for storage of CO 2 as minerals and quantified the amount of CO 2 stored as minerals for a particular case. We did not account for the precipitation of sulfur-containing minerals, e.g. elemental sulfur, Fe 2 S or FeS, though such reactions are possible especially if the brine contains sulfate anions. Sulfate and dissolved H 2 S form a redox couple that yields zero-valent sulfur. CMG's fully coupled geochemical compositional simulator, GEM-GHG was used to simulate the simultaneous flow and mineralization processes. 16 Pure CO 2 injection was carried out for 50 years and monitored for 10,000 years. Component properties for both 2-D and 3-D cases were the same as the base case. Table  6 lists the input parameters for the 2-D case. The major modification made in the 3-D base case was to increase the z direction grid block size from 25 ft to 50 ft. Thus, the grid decreased from 40x40x40 to 40x40x20. The initial condition in the aquifer was equilibrium among the minerals and aqueous component species. The following reactions take place between components in the aqueous phase when CO 2 is injected into the aquifer: Table 7 lists the minerals considered along with chemical equilibrium constants, rate constants for mineral reactions, surface area and activation energy. Mineral dissolution/ precipitation reactions in the simulator are as described by Nghiem et al. 16 while the values of rate constants and specific surface areas for each mineral were obtained from Xu et al. 17 We used the mineral compositions of a glauconitic sandstone aquifer in the Alberta Basin as described by Gunter et al. 18 and Nghiem et al. 16 Molecular weight, density and initial volume fractions are as shown below in Table 8 while initial concentrations of aqueous phase components at equilibrium is shown in Table 9 .
Results of both 2-D and 3-D simulations show that in 10,000 years significant calcite precipitation took place simultaneously with anorthite dissolution. The pH of the brine in the aquifer decreased and so the concentration of H + ions increased during this period. This caused anorthite to dissolve into brine and thus liberate Ca 2+ ions over long periods of time even after the injection of CO 2 was stopped. The Ca 2+ ions triggered and sustained the precipitation of calcite. This process is illustrated in the concentration plots of calcite, anorthite, and siderite for the aquifer as shown in Fig. 25 for 2-D case and Fig. 26 for the 3-D case. H + concentration was fairly constant as the liberated H + ions were being used in the dissolution of anorthite while the Ca 2+ ion concentration also remains nearly constant. There was a small decrease in concentration of Ca 2+ ions from 1,000 to 10,000 years. A relatively small amount of CO 2 stays as the bicarbonate ions. Carbonate ions concentration was also low and constant. The dissolution rate of the primary mineral glauconite, which releases Fe 2+ cations, was slow and the consequent precipitation of siderite was small. The Al 3+ concentration was also small because the glauconite and kaolinite reaction rates were slow.
Figures 27 and 28 show the distribution of CO 2 in various forms as a result of gravity driven flow for the 2-D and 3-D cases, respectively. For the 2-D case, at 10,000 years, 4% of the total CO 2 injected is trapped as minerals, 2% remains as free gas, 25% is dissolved in brine and 69% is trapped as residual gas. For the 3-D case, out of the total CO 2 injected, the percentage going into mineralization (stored as minerals) is only 5% at the end of 10,000 years (50 year injection) whereas 65% of the CO 2 is stored as residual gas (the most significant storage mechanism), 29% is dissolved in brine and only 1% remains as mobile gas. Thus, CO 2 precipitation as minerals does not contribute significantly to the permanent storage of CO 2 , but it does reduce the amount of free gas present at long times. Also, the possibility of porosity and permeability reduction resulting from mineralization is small.
Conclusions
Numerical simulations were performed to understand the flow and storage potential of pure CO 2 and CO 2 -H 2 S gas mixtures in deep saline aquifers. As previously reported by Kumar et al. 3 , hysteresis in the relative permeability curves results in substantial volumes of gas trapping as residual gas saturation. This is by far the most significant mechanism for permanent storage and should be carefully evaluated with a field pilot. Solubility of H 2 S and CO 2 in the brine is also significant and limits the maximum distance the gas can flow in the aquifer. When a CO 2 -H 2 S gas mixture is injected, H 2 S shows more solubility and hence flows a shorter distance in the aquifer than CO 2 . The strategy of injecting the gases low in the aquifer to take advantage of counter current flow to promote both trapping and dissolution and thus avoid contact with the top seal and potential escape of the gas is greatly aided by the use of horizontal wells. Fine grid simulations were done to study the effect of buoyancy-driven fingers on the upward flow of the CO 2 since such fingers could potentially reduce the permanent storage capacity using this strategy. Under the conditions studied, the fingers did not have a large impact on the maximum height the gas reached after 10,000 years. The mitigating effects of lateral channeling, gravity-driven flow within dipping layers and capillary pressure are the explanation for this favorable result. However, these factors will depend on the aquifer description and need further study, so even finer grid simulations are underway. Mineralization of CO 2 is a slow process that depends on the amount of CO 2 going into solution in brine. For the case studied, a 3-D coupled flow and reactive transport simulation showed that the CO 2 trapped in minerals even after 10,000 years was small compared to the other forms of storage. want to thank CMG Ltd. for making available the GEM simulator used in this research. We especially wish to thank Long Nghiem for his help with the new greenhouse gas version of GEM and for useful discussions of its applications to geological storage with mineralization. Mean Permeability = 10 md Mean Permeability = 100 md Mean Permeability = 1000 md Increase in mean permeability increased the injectivity and storage potential. Gas migration increased and more gas went into solution in brine. The residual gas decreased as the porosity increased along with permeability.
Nomenclature
Dip Angle = 0° Dip Angle = 1° Dip Angle = 5°
As dip angle was increased the gas migration pattern shifted from vertical to lateral direction and there was an increase in gas migration and hence more dissolution of CO2 and H2S in brine.
k v /k h = 0 kv/kh = 0.001 kv/kh = 0.1 kv/kh = 1.0
Vertical migration of gas increased significantly as kv/kh was increased. Gas reached the top seal of the aquifer and then migrated laterally to long distances.
Injection interval = 250 ft Injection interval = 500 ft Injection interval = 1,000 ft Risk of CO 2 and H 2 S reaching the top seal of the aquifer and then spreading out below the seal was reduced/ eliminated by reducing the injection interval to less than half the thickness of the aquifer and injecting from the bottom. Density, lb/cu ft P = 100 psi P = 1000 psi P = 2000 psi P = 2900 psi P = 3000 psi P = 5000 psi P = 10000 psi 
